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Process:

The Table contracted with private-sector consultants (Haloa, Inc., GCSI and others) for the use of an economic model (E-MARKAL), collection and verification of data, and consultation with provinces, as necessary in order to:

· estimate the cost of reducing GHG emissions from the electricity sector; 

· develop appropriate measures;

· analyze the impact of proposals;

· analyze and interpret the results.

The E-MARKAL model was selected because of its intrinsic capabilities and also, in part, because it already incorporated existing data on the electricity-generating sector.  Thus, the data-gathering process was simplified by requiring primarily the verification and updating of data in the model. Consultants, and, in some cases, Table members undertook to verify the data and in cases where confidentiality was a concern, the relevant utility was consulted for confirmation of the accuracy of the data.

The consultants also provided the Table with a workshop to examine, in detail, the capabilities of the model, and the assumptions on which it was based.

Structure of the E-MARKAL Model:

The E-MARKAL model is a subset of Haloa’s MARKAL model, and unlike the latter – which models the whole economy – models only the electricity sector. This approach was taken because the mandate of the Table required it to examine climate-change proposals affecting the electricity-generating sector, in the context of a fixed set of assumptions about the rest of the economy.  Examining the economy-wide interaction of the proposals of all 16 Tables is the mandate of the Analysis and Modelling Group.

The E-MARKAL model used by the Table is a detailed model of Canada’s electricity supply system. It contains data and forecasts of domestic electricity demand and exports, of technology, labour and fuel costs, of transmission and generation capacity and of resource limitations. In effect it builds and operates the electricity supply system so that load is served in the least-costly way from the perspective of the Canadian economy as a whole.  For the purposes of the Table’s analysis, a national carbon constraint was introduced into the model, and a new least-cost solution derived without exceeding the constraint.  The analytical methodology therefore can be viewed as applying a Canada-wide, sector-specific cap on carbon dioxide emissions, and allow emissions trading at a price equal to the marginal cost of abatement; in effect, emissions pricing.

Merits of This Approach:

Use of a model such as E-MARKAL allows for the derivation of cost curves, i.e., graphical solutions that show the relationship between emissions reductions and the cost of reducing emissions, assuming that industry always configures itself in a manner that minimizes its costs. Cost curves produced by E-MARKAL also yield information about the effects of emissions constraints on the resource mix, the effects on interprovincial electricity trade and transmission line construction, and on the marginal cost of electricity (i.e., electricity prices in a perfectly competitive market). 

The E-MARKAL modelling used, as its base case, NRCan’s forecast for electricity demand to 2020 in an unconstrained environment (using a 7% discount rate).  E-MARKAL was also used to develop a number of cost curves, based on different background assumptions that do not vary with the CO2 emission constraint. This allowed the Table to assess the sensitivity of the model results with respect to certain key assumptions (e.g., natural gas prices; electricity demand; the availability of new and refurbished nuclear plant; the cost of geological sequestration; etc.).  Aside from producing cost curves, the model also provided information on a number of additional factors for each set of background assumptions:

· the gross cost to Canada of meeting the emission constraint (i.e., the “gross cost of compliance”);

· the prices for electricity that would apply in a perfectly competitive electricity market operating under the constraint; and 

· the least-cost resource and technology mix (energy and capacity) given  the constraint. 

There are a number of caveats to the use of the E-MARKAL model that have to be borne in mind when reviewing the results of the analysis.  In particular:

· The most general assumption made by E-MARKAL is optimization – namely it produces least-cost solutions that may not occur in the real world for many reasons. E-MARKAL is therefore not a forecasting tool, since it does not take into account distortions that may exist the Canadian electricity market. The use of a least-cost optimization model is therefore intended to inform policies that strive for least-cost solutions by estimating what those solutions would be. 

· the E-MARKAL model, as noted earlier, isolates the electricity supply sector from the rest of the economy.  In doing so, it does not take into account the impact on the Canadian electricity sector of changes in other economic sectors arising from a general emission constraint, such as:

· changes in the absolute and relative prices of fossil fuels;

· demand and response to changes in the price-to-GDP ratio;

· demand changes in the U.S., and their impact on Canadian exports.

· The E-MARKAL model does not allocate gains and losses between different groups within the economy (e.g., producers, taxpayers, investors, creditors, consumers etc.).  Hence, it does not allocate “stranded costs” that could arise if facilities are rendered uneconomic.

Scenarios and Sensitivities

The Table developed a number of scenarios to test the sensitivity of the modelling results.  These are:

· No Bruce A: the Bruce A nuclear units currently off-line are not returned to service, leaving 3,000 MW of non-GHG emitting energy out of the Ontario market.  A 10% discount rate was used in the analysis;

· CO2 Capture and Storage: This was run in two scenarios, one assuming an unlimited aquifer storage potential at a cost of $38/tonne of CO2 and the other assuming a lower $28/tonne cost applied to a somewhat more limited potential.  In the latter case, the model assumed a potential for an additional 10 Mt of CO2 to be used in enhanced oil recovery, thus lowering the net storage cost to $3/tonne CO2. A 10% discount rate was used in both cases.  The following table B-1 summarizes these assumptions:

Table B- 1
Capture and storage potential and cost assumed in two sequestration scenarios

Storage Scenario
Aquifer Storage Potential
Net Cost ($/tonne of CO2)
EOR Potential (Mt per year)
Net Cost ($/tonne of CO2)

Base case
unlimited
$38
1.5
$13

Greater EOR
limited
$28
10
$3

· Higher gas prices: the base case price had natural gas prices reaching $1.96/GJ by 2030, and most scenarios incorporated this assumption.  However, the model also provided results under the assumption that natural gas prices would reach $6.00/GJ by 2004, then remain stable until 2030, and another (the “composite scenario”, discussed below) based partly in gas prices rising linearly to reach $4.00/GJ by 2030.  (All prices are in constant 1990 dollars). These gas price trajectories are shown in Figure B-1:

Figure B- 1
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· Higher Electricity: a “high demand” case, based on utility projections, with a total generation of 722 TWh in 2010 and unconstrained emissions that are 38Mt higher than the base case.  The high demand projection, as well as an intermediate demand prognosis used in the “composite scenario” discussed below, is shown graphically in Figure B-2:

Figure B- 2
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· No new hydro: no new, large hydro projects are allowed in the forecast period.

· A 4% Discount Rate Scenario: the model used a discount rate of 4% p.a. rather than the 7% p.a. used in the other scenarios;

· “Composite Scenario”: changed two variables (assumed intermediate growth in electricity demand and a medium increase in the price of natural gas to $4/GJ by 2030 – see Figures B-2 and B-3) rather than only one variable as in the other scenarios.  This was done to examine the joint impacts of the levels of electricity demand and natural gas prices anticipated by many of the Table members.

The scenarios were run using a carbon dioxide emission constraint of 94% of 1990 levels.  In addition, some of the scenarios were run using a carbon dioxide constraint of 80% of 1990 levels, in order to test for the existence of possible inflexion points in the emission reduction cost curve.  Finally, a Kyoto-postponed model run was also performed to examine the cost impacts if a 94% of 1990 constraint was not imposed until 2020. The factors used to convert generation to CO2 emissions in all cases are shown in Table B-2:

Table B- 2
Emission Rates for Technologies used in the Model

Technology
Emission (Mt/PJ)

Coal


· Conventional Pulverized
0.271519

· IGCC - 2010
0.206313

· IGCC
0.231461

· IGCC - 2020
0.182493

Gas


· CCGT Greenfield - 2010
0.106000

· CCGT Greenfield
0.111175

· CCGT Repowered
0.129556

· CCGT Cogen
0.083740

· SCGT Greenfield
0.174917

· SCGT Cogen
0.090500

· Micro Turbines
0.215386

· CCGT Greenfield - 2020
0.097167

Key Findings

Unconstrained Base Case Forecast: In the base case (“NRCan”) scenario, assuming no constraint, demand continues to grow, to 644 TWh, and CO2 emissions increase to 118 Mt in 2010.  However, the production mix changes. In particular, even without a GHG constraint, natural gas forms an increasing proportion of new capacity through 2020.  Nuclear generation decreases slightly as plants are retired and not replaced on economic grounds.  (In the base case and other scenarios, the model was prevented from bringing on new nuclear capacity until after 2020.  This was to ensure consistency with the NRCan 2020 forecast which formed the basis of the Base Case, and which assumed no new nuclear plants would be built to 2020).  Coal and oil generation also decreases at an accelerating rate, as plants are retired.

Impact of a 94% of 1990 Constraint: 

A constraint of 94% of 1990 emissions (i.e. 90 Mt of CO2) increasingly favours low-GHG-emitting projects (i.e., gas, hydro, and other renewables) over coal and oil generation.  As shown in Figure B-3., the constraint would, by 2010:

· increase natural gas generation by 22 TWh, with a shift within gas from steam and simple cycle gas turbines to combined cycle and cogeneration plants

· increase hydro by 9 TWh

· increase biomass by 4 TWh.

· decrease coal by 39 TWh

· decrease oil by 0.3 TWh.

Figure B- 3
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In solving for a least-cost solution to the imposition of a GHG constraint, the model allows the mix of electricity generation and provincial impact to vary, positively affecting certain provinces and detrimentally others (unless there was a public-policy decision to redistribute the impacts).  A 94% of 1990 constraint would, by 2010 result in:

· Manitoba, Ontario and Québec increasing their electricity output, no net change in Newfoundland and PEI, and a decrease in net TWh generated in all other provinces;

· gas substituting for coal primarily in Alberta and Ontario.  The Ontario increase comes primarily from cogeneration, while that in Alberta from combined-cycle. This will increase demand for gas, and thus revenues for gas producers at the expense of  the coal industry;

· building new hydro in Québec and Manitoba; by 2010;

· inroads by other renewables in B.C. and Alberta;

· increased electricity exports to the U.S.A by Manitoba, Ontario and Québec decreased exports from other provinces.

These effects are summarized in Table B-3 below.

Table B- 3
Technology
BC
AB
SA
MB
ON
QC
NFL
NB
NS
PEI

Hydro
0.0
0.0
0.0
6.5
0.0
2.32
0.0
0.0
0.0


Nuclear




0.0
0.0

0.0



Existing Coal

(22.7)
(0.61)

(9.23)


(3.68)
(1.45)


Pulv. Coal











IGCC











Total Gas
(0.08)
6.65
0.0
0.0
14.09

0.0
1.36
0.21


· Gas
(0.08)

0.0








· SCGT






(0.08)




· Cogen.
0.0
0.0
0.0
0.0
14.09

0.08
0.0
0.0


· CCGT

6.65





1.36
0.21


Oil







(0.28)
0.0
0.0

Wind

0.0



0.0





Biomass
3.74
0.0


0.0






Other

2.52









TOTAL
3.66
(13.53)
(0.61)
6.5
4.86
2.32
0.0
(2.60)
(1.24)
0.0

Inter-Prov Import
(4.79)
(0.19)
(0.33)
(0.17)
0.52
0.47

0.59
0.33
0

Inter-Prov Export

(5.24)
(0.03)
0.64
0.75
1.47
0.01
(0.29)
(0.87)


Export to the USA
(1.28)
(7.89)
(0.88)
5.44
5.00
1.24

(1.62)



If the model analysis is carried forward to 2020 (i.e., with a 6 percent decline in emissions by 2010, and emissions held at that level until 2020), the impact on generation mix are shown in Table B-4, and graphically in Figure B-3:

Table B- 4
Change in generation mix from an unrestricted case to a constraint at 94% of 1990 emissions

Technology
2010 (TWh)
2020 (TWh)

Hydro
+9
+28

Nuclear
0
0

Coal
-38
-45

Natural Gas
+22
+13

Oil
-0.3
0

Wind
0
+1.5

Biomass
+4
0

Thus, with a 94% constraint imposed in all periods:

· in 2020, hydro generation is 28 TWh over unconstrained levels;

· nuclear remains constant;

· in 2020, coal-fired generation is 7 TWh lower than unconstrained levels;

· in 2020, natural gas-fired generation is 9 TWh lower than unconstrained levels;

· oil remains constant;

· in 2020, wind power is 1.5 TWh over unconstrained levels;

· biomass remains constant.

Effects of Constraints on Emissions by Province: Because of their differing impacts on generation mix, inter-provincial electricity trade, and exports, a national emissions reduction to 94% and 80% of 1990 levels will have different impacts on provincial emissions.  These are shown in Figure B-4: 

Figure B- 4
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· For BC, emissions remain constant in the no reduction, 94%, and 80% cases, at approximately 5 Mt/yr; 

· In Alberta, emissions drop from slightly over 50 Mt/yr. to approximately 30 Mt/yr. In the 94% case, and to approximately 25 Mt/yr. In the 80% case; Emissions drop marginally in Saskatchewan for the 94% case over the unrestricted forecast, to approximately 15 Mt/yr.  An 80% constraint reduces Saskatchewan’s emissions to approximately 11 Mt/yr.\

· Manitoba’s, Québec’s, Newfoundland’s and PEI’s emissions remain unchanged under all three scenarios;

· Ontario’s emissions under a 94% constraint drop by approximately 3 Mt/yr., to 22 Mt/yr.  An 80% constraint reduces Ontario’s emissions by another 1 Mt/yr.

· New Brunswick’s emissions decrease by roughly 4 Mt/yr. under a 94% constraint, but only by about 2Mt/yr. in the 80% case;

· Nova Scotia’s emissions under a 94% constraint drop by approximately 1 Mt/yr.  A constraint of 80% reduces Nova Scotia’s emissions by an additional 1 Mt/yr.

Impact of Scenarios: The above results represent a least-cost solution to emissions constraints of 94% and 80% under the assumption that no restrictions are placed on the types of generation allowed (i.e., that the changes to the mix were the result of meeting the emissions constraints at the lowest cost to the utilities).  In addition, the model derived impact estimates for the scenarios outlined in the Scenarios and Sensitivities section described earlier.  In particular, the impact on the relative generation mix of the Composite Scenario – considered by some Table members as the more plausible base case - resulted in the changes shown in Figure B-5:

Figure B- 4
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Under the Composite Scenario assumptions (intermediate electricity demand and medium gas prices), by 2010 in the unconstrained case:

· coal- and oil-fired generation increases in response to growing demand for electricity; in contrast, coal-and oil-fired generation decreased in the NRCan base case even in the absence of a constraint – see Figure B-3;

· gas-fired generation increases, much less than the base case due to higher gas prices; and,

· hydro increases slightly, while nuclear generation cannot compete in either scenario.

Thus, under Composite Scenario assumptions, the electricity generation sector starts from a higher capacity level under unconstrained conditions than it does in the NRCan base case.  If a constraint of 94% of 1990 by 2010 is imposed:

· coal- and oil-fired generation decrease by approximately 40 TWh, albeit from a higher base than under NRCan assumptions;

· hydro and gas-fired generation both increase significantly;

· the decrease in nuclear generation remains the same as in the unconstrained composite scenario case; and,

· biomass and wind-powered generation both increase market share.

However, since the unconstrained case under Composite Scenario conditions resulted in higher initial capacity, the imposition of the constraint – while decreasing overall emissions – still results in a higher proportion of fossil-fuel generation than under the NRCan assumptions.

Taking the analysis out to 2020 generally exaggerates the 2010 values, with coal and oil increasing their market share significantly in the unconstrained case at the expense of biomass (which actually decreases its share) and wind.  For a 94% constraint, gas and hydro form an even greater percentage of generation than in 2010, and wind-power increases significantly.

GHG Impacts: Projected unconstrained greenhouse gas emissions for the alternate scenarios are shown in Figure B-6:

Figure B- 5
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· If no new, large hydro is allowed, the unconstrained emissions in 2010 would be 5 Mt higher than the base case reflecting the unavailability of this non-GHG emitting source.  Meeting an emissions constraint requires a greater reliance on natural gas and the reduction of coal-fired generation is greater than in the base case;

· If the Bruce A nuclear plant does not return to service, the unconstrained emissions would be 6Mt higher than the base case in 2010. To meet the constraint, the increase in hydro and gas is greater, and the required decrease in coal is greater than in the base case;

· If CO2 capture and storage become available in sufficient volume, at low enough cost, then a much smaller reduction in coal is required to meet the constraint than in the base case, and coal-fired generation will form a larger part of the generation mix in provinces such as Alberta;

· A higher gas price results in more coal generation in the unconstrained situation, and therefore unconstrained emissions are 36Mt higher. A smaller reduction in coal is required to meet the constraint than in the base case because the constraint is met less by gas and more by hydro and wind;

· In the high demand case, with a total generation of 722 TWh and unconstrained emissions that are 38Mt higher than the base case in 2010, the unconstrained case has more hydro, coal and gas. Meeting the constraint requires larger increases in natural gas, hydro, wind and biomass, and larger decreases in coal than in the base case.  However, the constraint is met less with low-emitting natural gas, and more from non-emitting sources.

The marginal cost of abatement (i.e., the incremental cost, in $ per tonne of CO2 emissions reduced, of meeting a constraint under scenario conditions) was also calculated, and the results summarized in Figure B-7:

Figure B- 6
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· Under the base case, the marginal cost of abatement rises relatively linearly throughout the range of emissions reductions, with a value of approximately $13/tonne for a 28 Mt reduction (i.e., -6% from 1990 levels) to $16/tonne for a 40 Mt reduction;

· The no new hydro case increases the marginal cost of abatement in 2010 to $14/tonne compared to $12/tonne in the base case.  The no-hydro case diverges further from the base case in later years and at higher reduction levels;

· The No Bruce A case raises the marginal cost of abatement of a 94% constraint to approximately $15/tonne in 2010, reflecting the higher unrestricted emissions; 

· As may be expected for such a capital-intensive industry, marginal abatement costs are very sensitive to the discount rate used.  A 4% discount rate results in a marginal abatement cost of slightly over $5/tonne for a 94% constraint, and approximately $8/tonne for a 80% constraint, compared to $13/tonne and $16/tonne respectively in the base case (using a 7% discount rate);

· The composite case increases the abatement cost to approximately $22/tonne in 2010 for a 94% constraint, and $25/tonne for a 80% constraint, reflecting higher unrestricted demand and a higher cost of gas;

· Raising the price of natural gas to $6/GJ appreciably raises the marginal abatement cost of meeting a -6% constraint, to over $25/tonne in 2010, and approximately $30/tonne for a 80% constraint;

· The high-demand case increases the marginal abatement cost the most - $30/tonne for a 94% constraint, and almost $48/tonne for a 80% constraint.

In all cases, the marginal cost of abatement is higher because in the alternative scenarios demand for gas and electricity are higher, leading to higher gas prices.  In order to meet a constraint, therefore, electricity producers are forced to choose between higher-cost substitutes than under the base case.

Another view of the financial cost of abatement is to examine the net present value of the increased cost needed to achieve stabilization in 2030, at either the 94% or 80% levels, compared to the unrestricted base case.  These costs are shown in Table B-5 and Figure B-8:

Table B- 5
Impact of Various Scenarios

Scenario
Unconstrained Emissions in 2010 (Mt)
Cost of Stabilization at 94% of 1990 emissions (NPV - $ billion)
Marginal Abatement Cost in 2010 ($/tonne of CO2 equivalent)

Base Case
118
3.9
12.19

No New Hydro
123
5.9
14.34

No Bruce A
126
5.0
15.33

High Demand
156
18.0
30.48

Composite
156
9.6
21.70

High ($6) Gas Price
154
10.7
27.28

4% Discount Rate
117
5.7
6.28

As Table B-5 shows, meeting a stabilization goal of 94% of 1990 emission levels would require an incremental investment of almost $10 billion, in net present value terms, for the composite case, which is considered most likely by the industry.  A high gas price scenario would require $11 billion in the present value of capital and operating costs, and stabilization under the high-demand case would cost $18 billion.  (A discount rate of 7% p.a. was used for this comparison).

Figure B- 7
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